Abstract Conventional principles of the design and operation of geologic carbon storage (GCS) require injecting CO 2 below the caprock fracturing pressure to ensure the integrity of the storage complex. In nonideal storage reservoirs with relatively low permeability, pressure buildup can lead to hydraulic fracturing of the reservoir and caprock. While the GCS community has generally viewed hydraulic fractures as a key risk to storage integrity, a carefully designed stimulation treatment under appropriate geologic conditions could provide improved injectivity while maintaining overall seal integrity. A vertically contained hydraulic fracture, either in the reservoir rock or extending a limited height into the caprock, provides an effective means to access reservoir volume far from the injection well. Employing a fully coupled numerical model of hydraulic fracturing, solid deformation, and matrix fluid flow, we study the enabling conditions, processes, and mechanisms of hydraulic fracturing during CO 2 injection. A hydraulic fracture's pressure-limiting behavior dictates that the near-well fluid pressure is only slightly higher than the fracturing pressure of the rock and is insensitive to injection rate and mechanical properties of the formation. Although a fracture contained solely within the reservoir rock with no caprock penetration, would be an ideal scenario, poroelastic principles dictate that sustaining such a fracture could lead to continuously increasing pressure until the caprock fractures. We also investigate the propagation pattern and injection pressure responses of a hydraulic fracture propagating in a caprock subjected to heterogeneous in situ stress. The results have important implications for the use of hydraulic fracturing as a tool for managing storage performance.
. An alternative hypothesis is that a preexisting fracture zone (or fault) was reactivated (Iding & Ringrose, 2010; Morris et al., 2011; Shi et al., 2012) . In either case, it is evident that the resulting conductive feature had a limited vertical extent within the lower portion of caprock and did not cause detectable leakage of CO 2 out of the storage complex.
Although conventional wisdom calls for strict prevention of caprock hydraulic fracturing, it is of great importance to understand (1) the conditions that lead to caprock hydraulic fracturing, (2) the effects of geologic characteristics and operational parameters on the propagation of caprock fractures, and (3) the role of hydraulic fractures in CO 2 storage reservoir's responses to injection and reservoir management measures. There are clearly reservoir configurations where hydraulic fracturing would be an unacceptable risk to storage integrity, and others where it could be a useful tool to maximize injection efficiency and stored volumes.
A growing hydraulic fracture is an intricate mechanical system consisting of deforming rock, flowing fluid in both the fracture and rock matrix, and a propagating discontinuity. The body of literature describing the complex nature (complex even in idealized settings) of hydraulic fractures (e.g., Detournay, 2004; Lecampion et al., 2017; Nordgren, 1972; Perkins & Kern, 1961; Renshaw & Harvey, 1994; Zhang & Jeffrey, 2012) testifies the challenge of studying subsurface processes involving these features. However, past research in CO 2 sequestration has largely overlooked many characteristics of hydraulic fractures and their potential effect on the CO 2 storage system.
Most work in GCS to date has treated hydraulic fractures in a simplified manner as a fixed-size, "equivalent" porous zone-essentially treating it as a vertical wing of the reservoir (e.g., Durucan et al., 2011; Morris et al., 2011; Pan et al., 2013; Rinaldi & Rutqvist, 2013) . Here we employ a more realistic numerical model to investigate the fundamental behavior of caprock hydraulic fracturing and its impact on a reservoir's response to CO 2 injection. The model captures dynamic interactions between a propagating fracture, solid rock deformation, fluid flow along the fracture, and leak-off of fluids into the surrounding formations. Our model still contains significant simplifications, however, especially with respect to the multiphase and nonisothermal behavior of CO 2 -brine systems. Nevertheless, the model provides physical insights into the hydromechanical behavior of a fractured storage system and is intended to prompt a more robust analysis in the GCS community of the advantages and disadvantages of hydraulic fracturing as an engineering tool.
The modeling and analysis in this work are based on the assumption of vertical containment of the hydraulic fracture at a finite distance above the reservoir, as we intend to study the influence of such vertically contained hydraulic fractures. The mechanisms of vertical containment of hydraulic fractures are complex and a subject of active research in its own right. Generally, vertical propagation of a hydraulic fracture can be halted by geologic discontinuities and/or stress contrast between adjacent formations (Fisher & Warpinski, 2012; Warpinski et al., 1982; Warpinski & Teufel, 1987) .
The structure of the paper is as follows. Sections 2 and 3 describe the numerical simulation methodology and the setup of a baseline case study. Section 4 analyzes the conditions that lead to caprock hydraulic fracturing. Section 5 presents results for a propagating caprock hydraulic fracture (using the baseline model) and its interaction with the reservoir. Section 6 analyzes the key physical controls on the hydraulic fracture-reservoir interactions to inform an analytical equation predicting the growth of the caprock hydraulic fracture. The effects of the distribution of in situ stress in the caprock on hydraulic fracturing propagation are studied in section 7. A summary of this work and discussions of its implications are offered in section 8.
Simulation Methodology
A simulation of hydraulic fracturing, including interaction with a high-permeability porous reservoir, must capture a number of coupled processes: (1) solid deformation of the rock layers, (2) fluid flow in the porous media, (3) fluid flow along the fracture, and (4) the deformation and propagation of the fracture. Here we model the rock as a linear elastic medium deforming quasi-statically. From the start, we make a significant simplification and model fluid flow in the CO 2 -brine system with a quasi-single-phase model. We recognize that this approach ignores important multiphase interactions occurring as supercritical CO 2 floods a brinesaturated reservoir, such as buoyancy-driven flow (Bryant et al., 2008; Okwen et al., 2011) . Nevertheless,
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such processes are not necessarily important for the conditions considered in this work (i.e., low permeability and thin reservoir), and this simplified approach still provides valuable insight into the hydromechanical behavior of such a system. We note that tools to model the complete physics of a fracturing CO 2 storage system do not yet exist and are the subject of current development.
Here we briefly review the governing equations and discretization strategy. The model consists of a porous domain, m, penetrated by a discrete surface, f, representing a growing fracture (Figure 1 ). The primary unknowns are the solid displacement, u, fluid pressure in the porous matrix, p m , and fluid pressure in the fracture, p f . The fracture aperture w is related to the displacement field as
where 〚u〛 = (u + À u À ) is the jump in the displacement field across the fracture surface, and n is the normal vector to the fracture surface. The unknown fields must satisfy 
Here σ is the total stress, ρ is the mixture density, ρ m is the matrix fluid density, ϕ is the matrix porosity, w m is the superficial (Darcy) flux in the matrix, ρ f is the fracture fluid density, w f is the fluid flux in the fracture, q i is a fluid source due to injection, q fm is a fluid sink due to leak-off from fracture to matrix, and ∇ f is the fracture surface gradient operator. The primary unknowns and secondary variables are related through the additional relationships, including linear elasticity for solid deformation, the principle of effective stress, Darcy's law for flow in matrix, and the "cubic law" for fracture flow. Note that the sink term q fm in equation (4) represents fluid mass vanishing from the fracture flow system but entering the porous medium flow through equation (6). As the fracture flow equations and porous medium flow equations are solved together, linked through this fluid exchange term q fm , system-wide fluid mass conservation is satisfied.
We use a rock compressibility term in the porous medium flow model (Zimmerman, 2002) as a simplified version of poroelasticity, in which the volumetric strain's impact on the solid porosity is not directly calculated from the displacement field but is instead estimated using the pressure change. It is an appropriate treatment in this context because the total stress in the system does not change significantly. Therefore, the change of the mean effective stress happens to be the pore pressure change. This leads to a one-way coupling in which the matrix mass balance equation only depends on pressures, while the momentum balance depends on both displacements and pressures. The generation of excess pore pressure when rock experiences fast compression is not handled by the model. However, this phenomenon is not particularly important for the present application because such excess pore pressure in reservoir rock dissipates faster than the loading duration representative of GSC while it is sufficient to treat the loading on the largely impermeable caprock to be "undrained." The model is supplemented with appropriate initial and boundary conditions. The simulations assume isothermal conditions, although we note that heat transport could play a significant role under certain conditions (Han et al., 2010) .
The present study uses GEOS, a fully coupled hydraulic fracturing simulator to discretize and solve the model equations above (Fu et al., 2013; Settgast et al., 2016) . We use the virtual crack closure technique (Krueger, 2004) , in a modified formulation that handles confining stress (Settgast et al., 2016) , to calculate energy release rate G at fracture tips. When G is greater than the critical value G c , mostly as Figure 1 . Configuration of the baseline model qualitatively showing the geometrical relationships between the storage reservoir, the caprock, the basement, the potential hydraulic fracture, and the orientations of the in situ stress. Only a half of the model (x > 0) is shown due to symmetry. The height of the hydraulic fracture is limited by a fracturing barrier, which divides the caprock into two layers, layer A and layer B.
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a result of sufficiently high fluid pressure in the fracture, the fracture extends from the tip. New fracture area is generated by duplicating the "face element" connecting two adjacent solid elements in the original continuum body. New face flow elements are thereby added to the fracture flow system, and fluid pressure from the flow element is applied on the exposed surfaces of the solid mesh as traction boundary conditions. Momentum balance is satisfied at each time step on the current updated mesh topology, whereas fluid mass conservation is satisfied across the fracture flow and porous medium flow systems. Considering the relatively long timescales involved in the fracturing process, we adopt an implicit timeintegration strategy.
As mentioned earlier, a quasi-single-phase flow model is used for simplicity. The fracture contains a surrogate fluid with properties (density, viscosity, and compressibility) representing those of CO 2 at typical reservoir conditions. In the matrix, fluid properties representing brine are adopted. Obviously, this is a substantial simplification of the multiphase behavior of a CO 2 flood. Nevertheless, the model still captures the basic interaction between the caprock hydraulic fracture and the reservoir.
The simulations are computationally expensive due to the inherent complexities of this problem, despite the simplified treatment of poroelasticity and multiphase flow. The models included in the current paper range from 900,000 to 1.7 million solid elements and cost 1,000 to 7,000 core hours to complete.
Model Setup
The configuration of the baseline model is shown in Figure 1 . The injection reservoir is 24 m thick with its top surface located at 2,000 m depth. We establish a coordinate system with the x axis parallel to the maximum in situ horizontal principal stress (S Hmax ) direction, y axis parallel to the minimum horizontal principal stress (S hmin ) direction, z axis pointing upward, and the origin at ground surface above the injection point (i.e., the injection point is at x = 0, y = 0, and z = À2012 m). For simplicity, we assume the vertical gradient of S hmin is the same as the hydrostatic gradient corresponding to supercritical CO 2 density in the vertical fracture. As the two gradients then cancel each other, we use a uniform S hmin of 30 MPa within the fracturable portion of the caprock formation and omit gravitational terms in flow simulation. The other two in situ principal stress components do not play a significant role in the analysis as long as the vertical stress is greater than S hmin . In the model, we place two fracturing barriers, 120 m above the reservoir top surface and at the lower boundary of the reservoir, respectively. S hmin abruptly increases by 5 MPa across the barriers. Therefore, the vertical extent of the hydraulic fracture is limited within z = À2,024 m to À1,880 m. The hydraulic fracture, once initiated, is expected to propagate within the x-z plane (perpendicular to the S hmin direction). Considering the symmetry of the problem, we only need a half model extending from 0 to 2000 m in the x direction, from À2,000 m to 2,000 m in the y direction, and from À2,400 to À1,400 m in the z direction. The model boundaries are assumed impermeable to reflect the notion that a reservoir always has bounded extents (Ehlig-Economides & Economides, 2010) . The mesh resolution is relatively high (6 m to 10 m) near the expected fracture trajectory, whereas element sizes progressively increase in the far field. The model contains approximately 900,000 solid elements while several hundred face elements are generated adaptively to represent the evolving fracture face.
Parameters used in the simulations are summarized in Table 1 . All rock layers, at least in the region that is affected by the injection, are assumed to have the same mechanical properties to simplify the analysis of the baseline case. Properties of the surrogate fluid are based on the equation of state in Span and Wagner (1996) for the expected condition (supercritical state at 62°C between 20 MPa and 30 MPa) in the reservoir and in the hydraulic fracture. The simulator allows different fluid properties in the fracture flow equations and matrix flow formulation. We use a higher viscosity in the latter as the main role of pressure gradient in the reservoir is to displace brine, which is more viscous than supercritical CO 2 . Table 2 is a list of the analytical and numerical models employed in this work. 
Processes Leading to Caprock Fracturing
A necessary condition for hydraulic fracturing in caprock is that fluid pressure exceeds S hmin in the caprock in response to the reservoir condition and injection rate. For the flow of a single phase, slightly compressible fluid from a vertical well (represented as a line source) into an infinite reservoir, a solution is given by Zimmerman (2002) in terms of dimensionless time and dimensionless overpressure as
and
where P is the pore fluid pressure at distance R from the line source at time t after the injection has commenced. These two dimensionless quantities are connected by
where E i (x) is the so-called exponential integral. By assuming an injection rate of 24 L/s or 530,000 tons per year and using the parameters provided in Table 1 , we calculate (Model I in Table 2 ) the injection time required to attain various levels of overpressure at R = 24 m (choosing the formation thickness as a characteristic length scale) from the injection line source as a function of reservoir rock permeability, as plotted in Figure 2 . For a reservoir with sufficiently high permeability (e.g., k r > 100 mD), the injection pressure will not reach the fracturing pressure within the time span meaningful for CO 2 injection. The results also show that lower permeability results in longer time to reach a given overpressure when the reservoir permeability is below 1 mD. This is because, although lower permeability causes higher injection pressure at the wellbore, it takes a longer time for the overpressure to propagate to the reference point at R = 24 m due to the lower hydraulic diffusivity. For the baseline model considered, the fracturing pressure of the caprock corresponds to an overpressure of 10 MPa (S hmin À P ri ). The results show that even for a reservoir with permeability up to 30 mD, the fluid pressure at a considerable distance from the well can still attain the caprock fracturing pressure in less than half a year. For the baseline reservoir permeability assumed (15 mD), the pore fluid pressure at 24 m from the well can be more than 25 MPa (P over = 5 MPa) greater than the caprock fracturing pressure within 100 days of injection.
The above analysis assumes the condition of porous medium flow without fracturing. It is possible that hydraulic fracturing takes place in the reservoir rock formation. If the reservoir hydraulic fracturing can be sustained by a fluid pressure below S hmin of the caprock, it will prevent caprock hydraulic fracturing from taking place. To understand the sustainability of a hydraulic fracture in the reservoir rock, careful consideration must be given to the poroelastic effect (Biot, 1941) . From a solid mechanics perspective, the opening of a hydraulic fracture aperture is the direct result of the compression of the rock body surrounding the fracture where higher stress (higher than the original in situ stress) results from the fluid pressure compressing the walls of the fracture. In the reservoir rock, the pore pressure in the compressed rock increases as the fluid flows into the rock body.
Terzaghi's principle of effective stress dictates that the effective stress (which drives rock deformation) in the rock decreases in response to the pore pressure change, thereby causing relaxation of the rock compression and reclosure of the fracture aperture. It is well known that due to this poroelastic effect, pumping pressure needs to be continuously increased and significantly higher than the original S hmin in the formation to sustain a hydraulic fracture in relatively permeable rocks (Detournay & Cheng, 1991; Salimzadeh et al., 2017) . The poroelastic effect usually does not play a substantial role in most unconventional reservoir stimulation applications because of the low permeability of these rocks, the very reason that necessitates hydraulic fracturing stimulation. Moreover, the use of "wall-building" fluids and high-viscosity fluids reduces the distance from the fracture that is affected by pore pressure increase. However, CO 2 storage reservoirs are likely to have relatively high permeability and the fluid has low viscosity, so the poroelastic effect cannot be ignored or easily mitigated. Subsequently, we demonstrate the likely unsustainability of hydraulic fracture in the reservoir formation for the baseline parameters.
To quantitatively illustrate how the poroelastic effect affects the sustainability of a hydraulic fracture in the reservoir rock (as opposed to caprock), we simulate (Model II) the aforementioned process in the baseline model setting with some minor adjustments. We assume S hmin = 30 MPa in the caprock and basement while S hmin = 26 MPa in the 24 m thick reservoir. The Biot parameter is 0.8 for all rock layers. The geometry and other parameters of the system remain the same as those described in section 3. Following the analysis methodology of Detournay and Cheng (1991) we only consider a cross section (in y-z plane) of the model shown in Figure 1 . Instead of simulating the creation and relaxation of a hydraulic fracture, we assume that a fracture throughout the height of the reservoir formation already exists ( Figure 4b ) and we pressurize it with a fluid pressure of 30 MPa (approximately the pressure required to fracture the caprock or basement) at t = 0. The simplifications represent the "best case scenario" for sustaining a hydraulic fracture in the reservoir rock: a fracture already exists and a higher pressure will trigger fracturing in the caprock and/or basement. Subsequently, we observe how the fracture responds to the pore pressure propagation in the reservoir. Figure 3a shows the effective stress increment perpendicular to the fracture plane (y component) near the pressurized fracture at t = 0. The blue color shows the extent of the so-called stress shadow where the rock is compressed, resulting in opening of the fracture. As the fluid pressure front propagates into the reservoir layer (Figure 3d ), the compressive effective stress is neutralized (Figure 3b ) and the aperture relaxes accordingly. In fact, after 4.4 h of pressurization, the net increment of σ' y (compared with the original state) near the fracture is tensile, meaning that the rock skeleton near the fracture has become less compressed compared with the original in situ state. Based on the aperture reclosure curve in Figure 3c , the aperture completely closes after 1.5 days of pressurization.
The above analysis assumes a constant injection pressure along a preexisting fracture. In reality, the hydraulic fractures initiate when the injection pressure is moderately higher than S hmin (26 MPa in the example), but the pressure needs to keep increasing to maintain the open fracture due to the poroelastic effect. The example shows that even at a pressure of 30 MPa, the fracture can remain open only for a few days. Beyond that, the fluid pressure will soon be sufficient to fracture the caprock. Due to the caprock's low permeability, it is sufficient to consider that the caprock deforms in the "undrained" condition and a largely constant pressure would be sufficient to sustain the hydraulic fracture. The flow near the injection point within the reservoir will remain in the porous medium flow regime (as opposed to fracture flow) under the condition that the fluid pressure near the reservoir-caprock interface is slightly higher than S hmin in the caprock.
To embody these findings in a computationally tractable yet reasonable manner in 3-D, all subsequent models assume that a hydraulic fracture is not present throughout the reservoir layer (i.e., it would have been reclosed) but the caprock fracture connects to the reservoir through a 2 m high interface zone at the top of the reservoir as shown in Figure 4c . The corresponding cross-section geometries for the conceptual model in Figure 1 and Model II are shown in Figures 4a and 4b for comparison. Instead of explicitly modeling the porous medium flow from the injection point to the fracture-reservoir interface, we place a "virtual source"
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at the interface zone above the injection point. Note that the height of the interface zone (2 m) in the model is limited by practical mesh resolutions. The selection of the interface height could have a minor effect on the simulation results through its influence on overall hydraulic impedance between the fracture and the reservoir, but is unlikely to alter how the hydraulic fracture and the reservoir communicate. The actual flow regime and mechanical response around the fluid exit from the wellbore in the reservoir formation and where fluid enters the fracture are expected to be rather complex and are beyond the scope of the current work.
Note that we only analyzed how the poroelastic effects influence the closure of the hydraulic fracture for a specific set of parameters. It is still possible that certain combination of parameters, for instance, a lower Biot's parameter and greater difference between S hmin in the reservoir and the original reservoir pore pressure, can allow a sustained hydraulic fracture within the reservoir rock. This topic deserves a systematic investigation but is beyond the scope of the current work.
Baseline Caprock Hydraulic Fracturing Model Results
This section presents the simulation results for the baseline scenario specified in section 3 (Model III in Table 2 ). The aperture distribution across the growing hydraulic fracture and the reservoir pore pressure distribution after 23 days, 104 days, 208 days, and 500 days of injection are shown in Figure 5 . The hydraulic fracture grows continuously with injection, and the pressure plume in the reservoir appears to expand into the reservoir from the intersection (the 2 m high interface zone) between the hydraulic fracture and the reservoir layer. The maximum aperture and maximum fracture net pressure of the fracture modestly increase with the growth of the fracture, reaching approximately 2.4 mm and 70 kPa, respectively, after 500 days.
Figure 6 depicts in detail the flow fields along the hydraulic fracture on 23 days and 208 days. A few observations can be made.
1. Most of the injected fluid first flows into the hydraulic fracture. As fluid flows along the fracture, it gradually leaks into the reservoir at the bottom of the fracture. The integration of the fracture flow flux across a vertical cross section is rather close to the injection rate (12 L/s into one wing) near the injection point. The leak-off (from fracture to reservoir) rate, on a per-fracture-length basis, increases as the distance to the 3. The net pressure along the fracture is only tens of kPa. Under the plane-strain condition, the compliance (i.e., the ratio between aperture increment and net pressure increment) of a fixed height (H f = 122 m in the baseline case), static fracture is in approximately 2H f /E 0 , where E 0 is the plane-strain modulus of elasticity. It only takes tens of kPa of net pressure to result in an aperture of several millimeters. According to the cubic law for fracture flow, a fracture with a 2 mm aperture has a transmissivity equivalent to 44,444 m (0.002 3 /12/15 × 10 À15 ) thick section of the porous medium constituting the reservoir. Therefore, the fluid pressure only needs to be slightly greater than S hmin , barely opening the fracture, to attain very small hydraulic impedance along the fracture. A couple millimeters of aperture would provide sufficient transmissivity to allow the fluid to access the reservoir far from the injection with minimal pressure loss.
Propagation Speed of the Hydraulic Fracture
The above analysis provides important insight into the role of a hydraulic fracture in the flow system. Principally, a hydraulic fracture (in reservoir or caprock or both) provides a means for the injected fluid to 
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access the reservoir through the fracture-reservoir interface that grows with the hydraulic fracture. Across the entire fracture including the fracture-reservoir interface, the fluid pressure is approximately the same value as S hmin . Due to the extreme sensitivity of a fracture's transmissivity to fracture net pressure, the fracture fluid pressure is only marginally greater than S hmin for the idealized system considered regardless of the injection rate and rock properties. In other words, it is the difference between S hmin and original reservoir pressure P ri that drives the fluid into the reservoir.
Through the aforementioned mechanism, the hydraulic fracture applies a (nearly) constant-fluid pressure boundary condition along the fracture-reservoir interface area for the flow into the reservoir. It is well known that if the area over which such a constant-pressure boundary condition is applied remains constant, the flow rate into the porous medium (reservoir) decreases with time. To maintain a constant total injection rate, the interface area has to increase. Therefore, the hydraulic fracture extends at such a rate that the associated increase of the fracture-reservoir interface area can accommodate the constant (or any) injection rate. This is a close analogue to the PKN (Perkins-Kern-Nordgren) hydraulic fracture model in the leak-off-dominated regime (Nordgren, 1972; Perkins & Kern, 1961 ). The PKN model addresses the propagation of a vertical, constant-height (H f ) hydraulic fracture, and the high-leak-off approximation of the half-length of the fracture as a function of injection time (Nordgren, 1972 ) is
where q i is the total injection rate (two wings combined), and C L is the so-called Carter's leak-off coefficient of the reservoir. According to Carter (1957) , the leak-off velocity at a point on the fracture into the rock matrix is
where t À t 0 is the elapsed time since the exposure of the fracture surface to the fluid. Note that the numerical models in this study use fully coupled fracture-matrix flow solution and do not use Carter's leak-off model.
The chief difference between our baseline model and the high-leak-off PKN model is that the former only allows fluid to leak through a relatively small segment of the fracture height (2 m interface out of the 122 m total height), whereas the the PKN model assumes the entire height of the fracture constitutes the leak-off interface. Therefore, the C L H f term in equation (10) should be replaced with an aggregate leak-off coefficient C A of the fracture-reservoir interface, which is expected to be a function of reservoir characteristics and characteristics of the interface. The new form of the equation is
which suggests that the fracture growth speed is largely independent of most caprock characteristics, including mechanical properties (e.g., stiffness) and features determining the total fracture height. As discussed in the previous section, an open hydraulic fracture's transmissivity is tremendously high compared with the overall transmissivity of the reservoir. The effect of a reduction of fracture height on fracture transmissivity can be easily compensated by a minimal increase of the net pressure (e.g., tens of kPa). This would only have a very small effect on the reservoir overpressure (reservoir overpressure being approximately 10 MPa at the fracture-reservoir interface for the baseline simulation), so the interaction between the fracture and the reservoir is only minimally affected by the fracture height. Note that S hmin in the caprock does affect the fracture growth rate through its influence on the leak-off coefficient: a greater difference between S hmin and P ri causes faster leak-off.
The evolution of the length in the baseline simulation is shown in Figure 7 (denoted by black crosses), where the length is computed as the fracture area divided by the fracture height. Equation (12) fits the baseline simulation results very well with C A = 0.046 m 2 /s 0.5 , especially when the fracture length is significantly greater than the height. The discrepancy between the simulation results and the analytical prediction in the early stage of the fracturing is likely caused by the PKN model's assumption of a rectangular fracture shape with a fixed height. In the early stage of the injection, the hydraulic fracture is radial in shape (a half-penny-shaped fracture), so the equivalent length calculation and the direct length comparison are not strictly appropriate.
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To enable quantitative interpretation of the C A coefficient, we consider the following comparison with the Carter's leak-off coefficient C L . C L is usually determined experimentally in the field or in a laboratory environment. Under the assumption of one-dimensional diffusion, it can be analytically deduced as
where ΔP is the difference between the fluid pressure acting on the fracture wall and the original reservoir pressure which is assumed to be constant; k r is the permeability of the reservoir; ϕ r is the reservoir porosity; c t is the total (fluid and pore) compressibility; and μ r is the dynamic viscosity of the fluid. Plugging in the relevant parameters associated with the numerical models, namely ΔP = 10 MPa, k r = 15 mD, ϕ r = 0.15, c t = 1.25 × 10 À8 Pa
À1
, and μ r = 0.5 cP, we obtain C Lr = 1.34 mm/s 0.5 . Integrating the leak-off coefficient over the thickness (24 m) of the reservoir, we get C Lr H r = 0.032 m 2 /s 0.5 , which is 30% smaller than the C A value fitted to the simulation results. This discrepancy reflects the fact that the fluid diffusion into the reservoir is not onedimensional as assumed in equation (13). The pore pressure plumes in both Figures 5 and 8 show clear 2-D diffusion patterns, so the 1-D diffusion assumption has yielded an underestimate of the actual leak-off coefficient. Similar phenomena have been reported in Carrier and Granet (2012) . Another discrepancy between the modeling scenario and the 1-D leak-off formula is that the interface area is only a small fraction of the reservoir thickness. This factor would result in a smaller leak-off coefficient than the predicted value, but the results indicate that it is not a very significant factor. Nevertheless, equation (13) provides a useful approximation of the leak-off coefficient to be used in equation (12).
To test the hypothesis that the fracture growth rate is independent of fracture height, we run two additional simulations with the fracturing barrier 60 m (model IV) and 180 m (model V) above the reservoir (H f = 62 m and 182 m), respectively, and otherwise identical parameters to those of the baseline case. The growth rate of the hydraulic fractures for these two scenarios is also plotted in Figure 7 . The results show that the fracture growth rate is indeed insensitive to the fracture height. The fracture aperture distribution and reservoir pore pressure distribution for two different fracture heights after 208 days are shown in Figure 8 . As expected, a reduction in fracture height reduces the aperture compliance proportionally, which results in a moderate increase in net pressure to drive the same flow rate through smaller aperture. The reservoir pressure distribution, however, remains largely unchanged with the variation of the fracture height. Therefore, equation (12) proves to adequately predict the caprock hydraulic fracture propagation rate based on reservoir characteristics and pumping parameters, at least for the idealized scenarios that we have analyzed so far. 
The Effects of Spatial Variation of S hmin
All the previous discussions assumed the vertical gradient of S hmin to be the same as the hydrostatic gradient of the fluid with no horizontal variation of S hmin . This section explores how the spatial distribution of S hmin affects the growth of the caprock hydraulic fracture and the interactions between the fracture and the reservoir.
Vertical Variation of S hmin
We first consider the scenario in which S hmin impedes the upward growth of the hydraulic fracture, namely when ÀdS hmin /dz < ρ f g where g is the gravitational acceleration. Note that the sign convention dictates that dS hmin /dz < 0 means S hmin increases with depth as the z axis points upward. Under this condition (ÀdS hmin /dz < ρ f g), an increase of fracture fluid pressure (compared with the baseline) would have two consequences. First, it allows S hmin to be exceeded at a higher location and thereby a greater fracture height. Second, for a given fracture height, a higher net pressure generates a larger aperture. Both effects reduce the flow impedance of the fracture. Therefore, under a given S hmin gradient and injection rate, the fluid pressure will assume a value that generates sufficient fracture height, aperture, and pressure gradient along the fracture to accommodate the injection rate. The equilibrium state under a greater dS hmin /dz value (less negative or more positive) entails smaller fracture height and larger aperture. In Figure 9 the brown curve qualitatively depicts, under a constant injection rate, the fracture net pressure as a function of the fracture height. The shape of this curve is affected by stiffness of the rock, rheology of the fluid (CO 2 ), and injection rate, among other factors. The blue curves show two hypothetical profiles of S hmin (after the hydrostatic gradient corresponding to the density of supercritical CO 2 has been subtracted) in the caprock. The expected hydraulic fracture height in the caprock is approximately at where the brown curve and the blue curve first intersect.
If the stress gradient is such that ÀdS hmin /dz > ρ f g, it drives the hydraulic fracture to grow upward. Because it takes less pressure (or more strictly speaking, less hydraulic head) to fracture the rock at a higher location, the caprock fracture tends to continue the upward propagation instead of fracturing the rock immediately above the reservoir. However, as the storage capacity of a fracture is small, the fracture growth that does not increase fracture-reservoir interface is much faster than that connected to the reservoir. The growth will soon be halted when it encounters a fracture barrier or a significant storage volume in the form of a porous and permeable formation. When encountering a fracture barrier, the fracture continues to dilate with increasing net pressure until the pressure is high enough to fracture the caprock immediately above the reservoir so that the injected fluid can flow back to the reservoir and release the excess pressure. The scenario of encountering a storage volume is essentially transporting the injected fluid to a shallower reservoir through the fracture. If Figure 9 . Two hypothetical cases to illustrate how the vertical distribution of S hmin in the caprock determines the height of the hydraulic fracture: (a) if S hmin smoothly changes with depth, and (b) if S hmin suddenly changes at rock formation interfaces to form a stress barrier. S hmin0 is S hmin at the bottom of the caprock.
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the shallower reservoir has a relatively small storage capacity, the overpressure that develops there will eventually allow the fracture to grow downward into the original, deeper reservoir again.
Randomly Distributed S hmin in the Caprock
When S hmin is randomly distributed both vertically and horizontally, the system behavior becomes more complex but the principles governing the processes remain unchanged. To illustrate the fracturing and flow processes under such conditions, we impose a random perturbation to the caprock S hmin field based on the baseline simulation in section 5 so that (1) the mean S hmin in the caprock is unchanged, (2) the standard deviation of S hmin is 0.5 MPa, (3) the autocorrelation lengths of S hmin are 60 m and 120 m in the vertical and horizontal directions, respectively, and (4) the fracture barrier is still at 120 m above the reservoir. The generation of such autocorrelated random fields has been described in Guo et al. (2016) and is not repeated here. The distribution of resultant in situ S hmin in the caprock is shown in Figure 10a . Similar to the treatments for the baseline scenario in section 5, we remove the gravitational terms from the flow solutions, which dictates that the actual S hmin profile being modeled has a vertical gradient identical to the hydrostatic pressure gradient corresponding to the surrogate fluid density. In other words, the mean S hmin gradient and the fracture flow hydrostatic gradient cancel out and do not play an explicit role in the simulation.
As expected, the growth of the caprock fracture and its interaction with the reservoir are not as smooth and steady as in the baseline simulation. Figure 10b shows the distribution of fracture aperture after 1,715 days (end of simulation) of pumping. Correlating the patterns in Figures 10a and 10b reveals that large aperture tends to develop at locations with originally relatively low S hmin . "Pockets" of large apertures are separated by high-stress zones, with the latter acting as bottlenecks for flow. The largest aperture at that time is 14 mm, several times greater than that of the baseline case that employed the same mean stress and injection rate. This is because the fracture fluid pressure is controlled by the need to fracture high-stress zones. As pressure loss across the fracture is small, the net pressure (which dilates the fracture aperture) can be as high as several MPas at low stress zones, resulting in large local aperture. Figure 10c shows the time of fracturing across the final fracture geometry, and in Figure 10d we identify eight zones based on distinct growth patterns. For instance, the fracture area in zone A and that in zone C Figure 10c , indicating each is created over a short period of time (i.e., fast growth). On the other hand, the relatively smooth color gradients in zone B and zone F suggest gradual fracture growth. Figure 11a shows the time history of injection pressure, where 10 points are marked, denoting remarkable events during the injection that illustrate various interaction modes between caprock hydraulic fracture and reservoir under complex in situ stresses. Figure 11b shows separation of the fracture face elements as individual "events" (red dots), while the fracturing of the faces along the fracture-reservoir interface is highlighted as green squares. The shaded area in Figure 11b illustrates the evolution of the horizontal extent of the fracture-reservoir interface, whose correspondences with the interface fracturing events is evident in the figure. Note that the "fracturing events" discussed here are mere discretized fracturing steps in the numerical model; investigating the relationship between these events and actual "seismic" or "microseismic" events associated with underground fluid injection is beyond the scope of the current work.
The following analysis is best illustrated by a combined review of Figures 11 and 12 . The first highlighted stage of the fracture propagation took place between day 49 of the injection and day 52. On day 49, the top of the fracture has reached x = 320 m while the bottom (interface with reservoir) was still bounded by a stress barrier at x = 200 m. The accumulation of pressure allowed the fracture to propagate through the upper portion to interface with the reservoir again at x = 420 m. The availability of unpressured reservoir Figure 11 . Selected time histories of the simulation with randomly distributed S hmin . (a) The evolution of bottom hole injection pressure with selected times denoted corresponding to the snapshots in Figure 12. (b) The distribution of fracturing events (red dots) in terms of x coordinate and fracturing time. Note that the fracturing events in this context refer to occurrences of fracture growth and the associated mesh topology change and are not intended to imply seismic events. Fracturing events at the fracture-reservoir interface are highlighted as green squares. The shaded area denotes the evolution of the horizontal extent of the fracture-reservoir interface. The predicted fracture length evolution based on equation (12) calibrated by the baseline simulation is shown as the blue dashed line.
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volume resulted in an instantaneous pressure drop at day 52 and gradual pressure increase thereafter as newly accessible reservoir volume was pressurized. From day 52 to day 257, the fracture slowly propagated within a low-stress region at the bottom of zone B, during which the pressure remained relatively low and aperture small. From day 257 to day 646, the fracture-reservoir interface grew very slowly (evident in Figure 11b ), limited by a high-stress barrier at x = 550 m, with the injection pressure continuing to increase. After day 646, pressure was high enough to allow the fracture to grow backward (negative x direction) to cover zone D. Although on day 937 the upper portion of the fracture had grown to x = 980 m, the fracture-reservoir interface only reached x = 650 m. On day 942 as shown in Figure 12 , the accumulated pressure allowed the fracture to break the high-stress barrier at x = 980 m and the fracture established new interface with the reservoir up to x = 1080 m. As another barrier exists ahead of the fracture front, similar processes repeated thereafter.
The caprock fracture growth under heterogeneous in situ stress appears to be much more complicated than that under more idealized conditions as presented in previous sections. However, the same principles governing the interaction between the fracture and the reservoir apply. When fracture growth is limited Figure 12 . Snapshots of the caprock fracture extent, fracture aperture, and reservoir pore pressure on 10 days that are also denoted in Figure 11a . The large black arrows in selected subfigures indicate the most significant subsequent fracture growth directions. The original in situ S hmin is shown in a "slice" plane placed 400 m from the hydraulic fracture plane, on which the perimeter of the fracture is overlain. The fracture is colored based on the aperture, and the deformation is magnified by 4,000 times. On the fracture plane are vectors representing the flow direction and flow rate.
Journal of Geophysical Research: Solid Earth
10.1002/2017JB014942
by stress barriers, fluid flowing into the reservoir through an interface of a fixed length results in continuous pressure increase, until the pressure is sufficiently high to allow the fracture to break into/across high-stress regions and eventually create new fracture-reservoir interface lengths. The creation of fracture into reservoir causes the injection pressure to decrease temporarily, but that portion of the reservoir eventually saturates and motivates another episode of fracture growth. As shown in Figure 11a , although the injection pressure fluctuates remarkably between temporary fracture containment by stress barriers and fast breakthroughs, the range of variation is generally within the mean S hmin value ± standard deviation of S hmin , echoing with the earlier observation that caprock S hmin dictates injection pressure. Additionally, equation (12) with parameters calibrated based on the baseline simulation with homogeneous S hmin provides a reasonable estimate of the fracture length development as shown in Figure 11b .
Concluding Remarks
Summary of Technical Findings
In this work, we studied the enabling conditions, processes, and mechanisms of hydraulic fracturing during CO 2 injection into a saline reservoir with relatively low permeability. The study utilizes fully coupled numerical simulation of hydraulic fracturing and reservoir flow with a single-phase surrogate fluid.
First, we calculated the near-well pressure evolution for fluid injection into a moderately low-permeability saline reservoir. We found that under certain conditions common to proposed commercial carbon storage applications, the near-well pressure could be higher than the fracturing pressure of the reservoir and/or the caprock. When the in situ minimum horizontal principal stress S hmin in the reservoir formation is significantly lower than that in the caprock, it is possible to create a hydraulic fracture within the reservoir rock without fracturing the caprock. Such a fracture could be sufficient to provide efficient and effective access to the reservoir. However, a poroelastic analysis suggests that sustaining an open fracture in the reservoir will require continuously increasing pressure that may eventually be high enough to fracture the caprock.
Once initiated, the caprock hydraulic fracture exhibits pressure-limiting behavior, dictating that the fracture fluid pressure remains only slightly higher than the pressure required to maintain an open fracture and is insensitive to any practical variation of the injection rate. However, because other energy dissipation mechanisms, including wellbore friction loss, entry loss, and the porous medium flow regime between wellbore exits and fracture entrances, are dependent on the flow rate, the wellhead injection pressure could still be sensitive to the injection rate. The propagation behavior of a caprock hydraulic fracture connected to a CO 2 storage reservoir is analogous to that of the PKN hydraulic fracture in the leak-off-dominated regime. The fracture extends at such a rate that the creation of new flow interface between the fracture and the reservoir accommodates the injection rate. In essence, a hydraulic fracture provides an economical (i.e., very low energy dissipation across the fracture) and effective means for the injected fluid to access reservoir storage that is far from the injection point. Under a constant injection rate, the fracture length is proportional to the square root of elapsed time, proportional to the injection rate, and inversely proportional to an aggregate leak-off coefficient that represents the reservoir's ability to accommodate additional fluid at the given overpressure and hydraulic impedance at the fracture-reservoir interface. The aggregate leak-off coefficient for the fracture-reservoir interface can be approximated with the Carter's leak-off coefficient of the reservoir multiplied by the reservoir thickness. The most important implication of this finding is that the hydraulic fracture propagation rate is nearly independent of the fracture height and mechanical properties of the caprock but depends on in situ stress magnitude.
Heterogeneity in caprock's in situ stress field induces fluctuations in the growth rate and injection pressure. The fracture can be temporarily contained by high-stress barriers while this leads to increasing pressure until it is sufficient to break the barriers. When the stress barrier is overcome, the potential energy accumulated in the fracture fluids drives rapid fracture growth until the fracture connects to unpressurized reservoir volume. Subsequently, the fracture fluid pressure decreases and the fracture is temporarily contained again, starting another episode of the containment-fast growth cycle. However, the overall behavior of such heterogeneous caprock fracture remains consistent with that under idealized uniform stresses, except that fracture aperture in low-stress "pockets" can be significantly larger than that in a smooth stress field. Although not investigated in the current work, the compartmentalization of reservoirs (Castelletto et al., 2013) could also cause fluctuations in fracture growth rate.
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To quantitatively express the findings in a concise fashion, we define the following quantities:
1. P ri , initial reservoir pore pressure; 2. P frac , fluid pressure requires to initiate and sustain a hydraulic fracture; 3. S hmin_r , minimum principle stress in the CO 2 storage reservoir; and 4. S hmin_c , minimum principle stress in the caprock immediately above the reservoir.
The following relationships generally hold:
1. If the reservoir rock is fracturable, P frac > S hmin_r , and the difference tends to increase over time due to poroelasticity. 2. If a hydraulic fracture cannot be sustained in the reservoir rock with a pressure P frac < S hmin_c , then caprock fracturing takes place and P frac ≈ S hmin_c . 3. Because typically P frac À S hmin_c << S hmin_c À P ri , S hmin_c À P ri (≈ P frac À P ri ) determines both the reservoir storage capacity and the hydraulic fracture propagation rate.
Relevance to CO 2 Storage Design and Site Characterization
The findings of this work could have important implications for the design of geological carbon storage projects. Because flow along an open hydraulic fracture is tremendously more efficient than flow within a porous medium in delivering fluid to far-field reservoir, injection through hydraulic fracturing could improve the CO 2 injection and storage capacity. The insensitivity of the injection pressure to the fracture height means that vertical height limitation of the fracture has no negative impact on the economics. In retrospect, this also suggests that our arbitrary choice of fracture barrier location in the models did not significantly affect the results. Nevertheless, the identification and evaluation of fracture barriers in the caprock would be a critical issue in GCS project design and deserve systematic studies.
